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Important Disclosures 
FORWARD-LOOKING STATEMENTS 

This presentation contains projections and other forward-looking statements within the meaning of Section 27A of the Securities Act of 1933 and Section 21E of the Securities Exchange Act 
of 1934. These projections and statements reflect the Company’s current views with respect to future events and financial performance as of this date. No assurances can be given, 
however, that these events will occur or that these projections will be achieved, and actual results could differ materially from those projected as a result of certain factors. For a summary 
of events that may affect the accuracy of these projections and forward-looking statements, see “Risk Factors” in our Form 10-K for the year ended December 31, 2015 filed with the 
Securities and Exchange Commission (the “SEC”).  

RESERVE-RELATED DISCLOSURES 

The SEC permits oil and gas companies, in their filings with the SEC, to disclose only proved, probable and possible reserves that meet the SEC’s definitions for such terms, and price and cost 
sensitivities for such reserves, and prohibits disclosure of resources that do not constitute such reserves. The Company uses the terms “estimated ultimate recovery” (or “EUR”) that the 
SEC’s rules may prohibit the Company from including in filings with the SEC. These estimates are by their nature more speculative than estimates of proved, probable and possible reserves, 
and accordingly are subject to substantially greater risk of being realized by the Company.  

EUR estimates and potential horizontal well locations have not been risked by the Company. Actual locations drilled and quantities that may be ultimately recovered from the Company’s 
interest may differ substantially from the Company’s estimates. There is no commitment by the Company to drill all of the potential horizontal drilling locations. Factors affecting ultimate 
recovery include the scope of the Company’s ongoing drilling program, which will be directly affected by the availability of capital, drilling and production costs, availability of drilling and 
completion services and equipment, drilling results, commodity price levels, lease expirations, regulatory approval and actual drilling results, as well as geological and mechanical factors. 
Estimates of type/decline curves and per-well EURs may change significantly as development of the Company’s oil and gas assets provides additional data.  

Type/decline curves, estimated EURs, recovery factors and well costs represent Company estimates based on evaluation of petrophysical analysis, core data and well logs, well performance 
from existing drilling and recompletion results and seismic data, and have not been reviewed by independent engineers. These are presented as hypothetical recoveries if assumptions and 
estimates regarding recoverable hydrocarbons, recovery factors and costs prove correct. As a result, such estimates may change significantly as results from more wells are evaluated. 
Estimates of EURs do not constitute reserves, but constitute estimates of contingent resources that the SEC has determined are too speculative to include in SEC filings. Unless otherwise 
noted, Internal Rate of Return (or “IRR”) and Net Present Value (or “NPV”) estimates are before taxes and assume Company-generated EUR and decline curve estimates based on Company 
drilling and completion cost estimates that do not include land, seismic, G&A or other corporate level costs.  

This presentation includes certain estimates based on production, reserve and other data regarding the WildHorse and portions of our Ranger properties. The production, reserve and other 
data included have not been reviewed by our reserve engineer, DeGolyer and MacNaughton, and may vary from what is presented here. We cannot assure you that these estimates are 
accurate.  

 



Additional Disclosures 
SUPPLEMENTAL NON-GAAP FINANCIAL MEASURES 

This presentation includes non-GAAP measures, such as Adjusted EBITDA. Adjusted EBITDA is a supplemental non-GAAP financial measure that is used by management and external users of 
our financial statements, such as industry analysts, investors, lenders and rating agencies. We define Adjusted EBITDA as net income (loss) before interest expense, income taxes, 
depreciation, depletion and amortization, exploration expense, (gains) losses on derivative instruments excluding net cash receipts (payments) on settled derivative instruments and 
premiums paid for put options that settled during the period, impairment of oil and natural gas properties, non-cash equity based compensation, asset retirement obligation accretion 
expense, other income, gains and losses from the sale of assets and other non-cash operating items. Adjusted EBITDA is not a measure of net income as determined by United States 
generally accepted accounting principles (‘‘GAAP’’).  

Management believes Adjusted EBITDA is useful because it allows it to more effectively evaluate our operating performance and compare the results of our operations from period to 
period and against our peers without regard to our financing methods or capital structure. We exclude the items listed above from net income in arriving at Adjusted EBITDA because these 
amounts can vary substantially from company to company within our industry depending upon accounting methods and book values of assets, capital structures and the method by which 
the assets were acquired. Adjusted EBITDA should not be considered as an alternative to, or more meaningful than, net income as determined in accordance with GAAP or as an indicator of 
our operating performance or liquidity. Certain items excluded from Adjusted EBITDA are significant components in understanding and assessing a company’s financial performance, such as 
a company’s cost of capital and tax structure, as well as the historic costs of depreciable assets, none of which are components of Adjusted EBITDA. Our presentation of Adjusted EBITDA 
should not be construed as an inference that our results will be unaffected by unusual or non-recurring items. 

For a reconciliation of non-GAAP measures to their most directly comparable GAAP measure, please see the Appendix. 

METRIC CALCULATION METHODOLOGIES 

$/Adjusted Acre: This calculation aims to normalize transaction purchase prices for the value of the production acquired to arrive at an implied “adjusted” valuation for the undeveloped 
acreage acquired. The “adjustment” value for the acquired production is determined by applying what management believes is a reasonable valuation multiple for the present value of a 
flowing equivalent barrel of production—based on prevailing NYMEX strip pricing at the time of the acquisition—to reported sustained production rates at the time of the acquisition. This 
“adjusted” undeveloped valuation is then divided by the net surface acreage acquired to yield a best-efforts, “apples-to-apples” transaction metric to use as a rough guide for relative 
valuation purposes.  

$/”Delineated” Horizontal Location: This calculation aims to normalize transaction purchase prices for the value of the production acquired to arrive at an implied “adjusted” valuation for 
the inventory of undeveloped horizontal locations (net to the acquired interest), in zones, which management believes to have been sufficiently “delineated” by operated and/or offsetting 
industry activity to date. The “adjustment” value for the acquired production is determined by applying what management believes is a reasonable valuation multiple for the present value 
of a flowing equivalent barrel of production—based on prevailing NYMEX strip pricing at the time of the acquisition—to reported sustained production rates at the time of the acquisition. 
This “adjusted” undeveloped valuation is then divided by the previously described net identified horizontal locations acquired to yield a best-efforts, “apples-to-apples” transaction metric 
to use as a rough guide for relative valuation purposes.  

Recovery Factor: This calculation derives the implied percentage of the estimated original oil-in-place (“OIP”) that management expects can be recovered from a targeted zone in a capital 
efficient manner over the course of the productive life of the applicable number of wells needed for full section horizontal development. The recovery factor is arrived at by first calculating 
an estimate of the original OIP—on a “per section”(“OIP/section”) basis (640 acres)—for  each zone that is prospective for horizontal development through various technical assessments of 
the subject area. The OIP/section figure is then normalized to a 960-acre drill spacing unit (“DSU”) for comparison purposes to the company’s published single well type curves, which are 
displayed on a 7,500’ (section-and-a-half) basis (“OIP/DSU”). The “OIP/DSU” is then compared to the result of multiplying management projections for per-well EURs by its assumptions for 
the proper well density (i.e., number of wells per DSU or section) to fully develop the acreage in order to arrive at a comparable estimated recovery factor. 
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Callon Petroleum 

1) As of June 23, 2016, based on common stock price of $11.87 per share. 
2) As of March 31, 2016, pro forma for recent acquisitions and related financings. 
 

 Concentrated asset base in core areas of the Midland 
Basin 

 High-quality acreage portfolio with well economics that 
continue to add shareholder value in the current 
environment 

• Improving EURs over time 

• Significant well cost reductions achieved to date 

• High degree of operational flexibility 

 Strong financial position - expanded liquidity and clean 
balance sheet 

 Accomplished Permian operator with track record of 
successful acquisitions 

 

 
 

Key Statistics 

Shares Outstanding (1) 131.1 MM 

Market Capitalization (1) $1.6 B 

Enterprise Value $1.9 B 

Net Debt (2) $0.3 B 

Daily Average Production 

   1Q16 12,440 boepd 

   2016E (midpoint) 14,500 boepd 

Monarch 
WildHorse 

Ranger 
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Recent Highlights 

 Closed transformative acquisition of certain assets operated by Big Star Oil and Gas, LLC, adding a new 
core development area (“WildHorse” focus area) 

 Formed AMI in western Reagan County, an area of focus which continues to improve with new 
generation completion designs (included within “Ranger” focus area) 

 Pro forma Midland Basin position of ~34,000 net acres, including ~13,000 core net surface acres added 
in these recent transactions 

Strategic 

 Record daily volumes of 12,440 Boe/d (79% oil) in 1Q16 

 1Q16 two-stream per unit operating costs of $6.15/Boe; down 5% sequentially (q/q) 

 Leading edge well cost of $4.9MM ($5.1MM incl. facilities) 

 Maintaining operational momentum through the commodity cycle; Added 8 gross (6.1 net) producing 
Hz wells targeting the lower level of the Lower Spraberry zone in 1Q16 in the Monarch area 

 Continuing to test incremental well density potential in the Lower Spraberry 

Operational 

 Expect to achieve goal of cash flow neutrality during 2Q16 

 Borrowing base unanimously reaffirmed by participating lenders at $300MM with no changes to terms 

 Exited 1Q16 with Debt/LTM Adjusted EBITDA of ~2.4x and $310MM of liquidity 

 Successfully defending Adjusted EBITDA margins of ~70% despite a ~40% decrease in average realized 
pricing since 1Q15 

 Raised >$300MM of net equity proceeds YTD 2016 to finance acquisitions and bolster balance sheet 

Financial 



Focus Operating Areas
 

1) Acreage data excludes approximately 3,635 net acres in our Opal, Kayleigh, Block 5 and Taylor Draw fields.  
2) Drilling locations exclude 73 delineated locations and 36 upside locations across our Opal, Kayleigh, Block 5 and Taylor Draw fields. 
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Active delineation effort underway to de-
risk additional zones as operational activity 
in the area increases. 

Offsetting our acreage, an operator 
announced a WCA well believed to be one 
of the most productive wells drilled in 
Howard County with six month cumulative 
production of 220 Mboe (91% oil). 

Well-proven area, with four currently 
producing zones and a fifth planned (WCA) 
for late 2016. 

Evaluating inventory upside through 
ongoing well density testing by both Callon 
and offsetting operators in the area. 

High-graded opportunities driven by 
enhanced completion designs with a focus 
on the WCA and WCB zones as commodity 
prices strengthen. 

Emphasis on efficient operations to reduce 
operating costs and prepare for activity 
ramp. 
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Gross acres: 17,298 

Net acres(1): 14,089 

Delineated locations(2): 178 

Upside locations(2): 124 

Gross acres: 10,041 

Net acres(1): 7,269 

Delineated locations(2): 414 

Upside locations(2): 268 

Gross acres: 12,697 

Net acres(1): 8,530 

Delineated locations(2): 244 

Upside locations(2): 170 

UPTON 
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Acreage and Inventory Overview 

1) Upside zones include: Jo Mill, Wolfcamp C, Wolfcamp D/Cline for legacy Callon properties, Middle Spraberry and Wolfcamp D/Cline for WildHorse acreage and Wolfcamp C and Wolfcamp 
D/Cline for western Reagan AMI. 
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Pro Forma Effective Acreage 

  Gross Net 

Delineated Zones: 

Middle Spraberry 19,355 15,924 

Lower Spraberry 33,118 26,263 

Wolfcamp A 35,217 26,983 

Upper Wolfcamp B 35,217 26,983 

Lower Wolfcamp B 15,221 10,418 

Subtotal 138,130 106,571 

Upside Zones:
 

Clearfork 6,238 4,145 

Jo Mill 19,367 14,987 

Wolfcamp C 15,062 10,328 

Wolfcamp D/Cline 28,674 22,574 

Subtotal 71,328 52,034 

Grand Total 209,458 158,605 

Potential Gross Horizontal Locations 

>1,500 
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Recent Operational Activity: Monarch Area 

 Eight LS wells placed on production 

 Four ~5,000’ LS wells achieved average      
24-Hr IP rates of ~930 Boe (87% oil) 

 13-well spacing test with a 3-well pad 
scheduled for early July 

 

 ~9,500’ LS well achieved peak 24-Hr IP of 
~1,230 boe (90% oil) 

 ~9,500’ WCB well achieved peak 24-Hr IP of 
~1,150 boe (86% oil) 

 10,000’ WCA planned spud in late July 2016 

 Two ~8,000’ LS wells achieved peak 24-Hr IP 
rates of ~1,100 Boe (91% oil) 

 First 12-well spacing test with six months 
cumulative production suggests no well 
interference 

Field Map Legend 

 Proven repeatable returns on capital to navigate oil price volatility while delivering capital 
efficient growth 

 Ongoing completion design enhancements and downspacing tests in Lower Spraberry 

 Fourth horizontal zone expected to be producing by late 2016 

     Middle Spraberry     U/L Lower Spraberry        Wolfcamp B          Wolfcamp A 

CaBo Pecan Acres Carpe Diem 



Lower Spraberry Focus 

1) Production normalized to 7,500’. 
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CMB LS Activity – Operated vs. Offset Increased CMB LS Type Curve (7,500’) (1) 
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Days on Production 

Current TC

Avg Well

7,500’ TC:  > 1 MMBoe (80% Oil) 

Proof of concept on 11 wells/section (“WPS”)  
in a chevron pattern 

 Drilling a 12 WPS density test in 2Q16 and a 13 WPS in 2H16 

as we evaluate potential upside as high as 16 WPS 

 Inventory upside of ~45% at 16 WPS 

 Continuing to monitor offset activity, share data with peer 

operators and perform joint testing (e.g., RSPP JV wells) 

240’ 

330’ 924’ 

Down-Spacing Initiatives Continue 



Capital Saving Progression 

1) Excludes approximately $150K of well-level facilities. 
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Continuing to Deliver CWC Reductions Period-over-Period (1) 
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Hydraulic Fracturing Cost Progression (% Change 4Q14 to date) 

20%
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90%

100%

4Q14A 1Q15A 2Q15A 3Q15A 4Q15A 1Q16A 2Q16E

-20% -34% -42% -42% -56% -62% 

 Rig Day Rate: $25k  $15k 

 Completion costs continue to decline with 
a 62% reduction in frac costs 

 Bundling small ticket items 

 Cycle time improvements 

 Optimized chemicals 



Recent Acquisition Provide a Substantial Footprint in Emerging Core Area (1) 

 17,298 gross / 14,089 

net acres (> 80% 

operated; ~56% HBP) 

• No drilling activity 

needed to hold 

acreage in 2016 

• 2017 obligations can 

be met with < 1 rig 

• 1st planned 

completion in June 

2016 

 Multiple formations 

delineated by industry 

activity, including 

Lower Spraberry, 

Wolfcamp A and 

Wolfcamp B 

• Five existing Hz wells 

on acquired acreage  

• Planned average 

lateral length of over 

8,300’ 

WildHorse Overview 

1) Sources: Big Star Oil and Gas, LLC production data, offset operator and industry press releases and investor presentations of the respective or third-party operators from March 2014 through 
April 2016. 
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Callon 
Masters Unit A 1H 

Wolfcamp A 
30D IP: 1,406 Boe/d (91% Oil) 

Athlon 
Tubb 39 5H 
Wolfcamp A 

30D IP: 1,594 Boe/d (73% Oil) 

Oxy 
May 1102 WA 
Wolfcamp A 

30D IP: 1,262 Boe/d (86% Oil) 

Callon 
Ryder Unit 2H 
Wolfcamp A 

30D IP: 1,484 Boe/d (92% Oil) 

Callon 
Open Unit A 2H 

Wolfcamp A 
30D IP: 1,326 Boe/d (90% Oil) 

Athlon 
Williams 17 3H 

Wolfcamp A 
30D IP: 1,234 Boe/d (82% Oil) 

Tall City 
Hamlin 20-29 1H 

Wolfcamp B 
30D IP: 929 Boe/d (96% Oil) 

Tall City 
Hamlin 19-30 1H 
Lower Spraberry 

30D IP: 1,074 Boe/d (89% Oil) 

Element 
Wolfe-McCann Unit 10-15 2H 

Wolfcamp A 
30D IP: 951 Boe/d (91% Oil) 

Athlon 
Abel 18 3H 

Wolfcamp A 
30D IP: 1,063 Boe/d 85% Oil) 

Crownquest 
S Wilkinson 181H 

Wolfcamp B 
30D IP: 2,210 Boe/d (85% Oil) 

Callon 
Gunslinger Unit L 4H 

Lower Spraberry 
30D IP: 696 Boe/d (89% Oil) 

Callon 
Ponderosa Unit L 1H 

Lower Spraberry 
30D IP: 915 Boe/d (88% Oil) 

Oxy 
Adams 4201WA 

Wolfcamp A 
30D IP: 1,495 Boe/d (90% Oil) 

Element 
Wright Unit 41-32 2H 

Wolfcamp B 
30D IP: 948 Boe/d (90% Oil) 

Element 
Wright Unit 44-41 3H 

Lower Spraberry 
30D IP: 1,084 Boe/d (91% Oil) 

Energen 
Smith SN 48-37 #501H 

Lower Spraberry 
30D IP: 895 Boe/d (79% Oil) 

Crownquest 
Gratis 32 R 1HB 

Wolfcamp B 
30D IP: 1,063 Boe/d 88% Oil) 

Rock Oil 
Wiley Bob 26-23 A 

Wolfcamp A 
24HR IP: 974 Boe/d (88% Oil) 

Oxy 
Adams 4231WA 

Wolfcamp A 
30D IP: 1,841 Boe/d (89% Oil) 
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Well Count 

Lower Spraberry

Wolfcamp A

Wolfcamp B

Creaming curves use historic production to provide a potential 
indication of future well performance 

The slope of the line at any given point and the slope change 
with each successive well are illustrative 

 Over last 18 months, Howard Co. has 

been the site of many of the Midland 

Basin’s high-profile transactions 

 Howard Co. has emerged as a new 

“core” area of the Midland Basin with 

well results that continue to attract 

operator capital and insulate activity 

levels despite current oil prices 

 Originally underpinned by strong 

results in the WC A, industry activity 

in Howard Co. has expanded to 

delineate multiple zones with initial 

LSBY and WC B results tracking the 

success of their predecessor 

 Industry delineation efforts continue 

to expand the “sweet spots” of these 

zones and may indicate incremental 

bench upside (i.e., select testing of 

the Middle Spraberry and Cline)  

Howard County Hz Creaming Curve (2) 

Lower Spraberry OIP (1) Wolfcamp A OIP (1) 

Well IP BO/Day

Well IP BO/Day

Proven Multi-Zone Development 

1) Sources: NuTech, Texas Railroad Commission, internal Callon geological analysis. 
2) Sources: DrillingInfo, IHS Enerdeq. 90-day cumulative production for single well pads based on volumes reported to Railroad Commission, normalized for reported perforated lateral length. 

Creaming curve is formed by ordering wells by first production date and adding the 90-day cumulative of each well to the sum total of the 90-day cumulatives of all the wells that preceded it.  

12 



Operational Drivers 
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Strong Production Growth Momentum 
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OPEX Savings & Margin Progression 

1) See definition of Cash Adjusted EBITDA and Adjusted Revenues, Non-GAAP measures, included in the Appendix. Adjusted Revenues include the impact of cash settled derivatives. 
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OPEX Savings Easing Margin Pressure Adjusted EBITDA Margins ($/Boe) (1) 

OpEx ($/Boe) is down ~45% since 2014 peak Managing volatility with resilient cash flow margins 
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$17.34   

 $14.85   $14.72 
 $12.31   $11.66  

 $52.83  
 $51.05  

 $49.22  

 $44.60  

 $33.93  
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Cash Adj. G&A Production Taxes LOE Adj. Revenue

1Q15:  
67% Margin 1Q16:  

66% Margin 

Responsive cost structure maintaining margins 



Current Snapshot: OPEX 

1) CPE converted to 3-stream for comparison purposes by assuming a ~12% volumetric uplift from capturing NGL volumes. 
2) Peer 1 LOE per unit nets out production attributed to non-cost bearing minerals interest. 
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Midland Basin Peers 3-Stream Equivalent LOE 
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CPE Peer 1 Peer 2 Peer 3

CPE 1Q16 
$5.49 

Substantial progress made in lowering OPEX vs both historicals and peer group 

Non-Workover Savings Breakdown 

Saltwater Disposal

HES

Other

R&M

Equipment Rental

Fuel & Power

Chemicals

Labor

Key 2016 OPEX initiatives:  

 Focused on achieving incremental savings across entire spectrum 
of OPEX components 

 Saltwater Disposal and Chemicals have greatest potential for 
meaningful 1H16 savings 

FY14 Avg:  
$8.30/Boe 

1Q15 Avg:  
$8.60/Boe 

2Q15 Avg:  
$7.81/Boe 

3Q15 Avg:  
$7.16/Boe 

4Q15 Avg:  
$6.00/Boe 

1Q16 Avg:  
$5.63/Boe 



Financial Profile 

1) “As Adjusted” capitalization and the debt maturity summary are presented pro forma for (i) the April equity offering proceeds of ~$206 million, including overallotment; (ii) the issuance of 
9.3 million shares to the sellers of Big Star Oil and Gas, LLC assets ($81 million or $8.50 per share as of 4/18/16); (iii) the cash portion paid to the sellers of the Big Star assets ($220 million); 
(iv) and western Reagan County AMI transaction ($33 million, net).  16 

Spring Redetermination Outcome 

$703  

$416  

$300  

$300  

$263  

$310  

$0 $500 $1,000 $1,500

Stockholders' Equity Second Lien Facility

Revolving Credit Facility Bank Availability + Cash

As 
Reported 
03/31/16 

As 
Adjusted 

Debt Maturity Summary ($MM)1 

 $37  

 $300  

 $-

 $75

 $150

 $225

 $300

 $375

2016 2017 2018 2019 2020 2021

 Borrowing base was fully reaffirmed at $300 
million 

• Unanimous approval from all 10 participating banks 

• No changes to any other terms in the facility 

• Increased 20% during the Fall redetermination 
($250MM  $300MM) 

• Excludes any potential increases from recent 
transactions 

1Q16 & Pro Forma Capitalization ($MM)1 

$263MM Undrawn 
88% Available 



Development Outlook 
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Illustrative Pro Forma Program 
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Bear Scenario Base Scenario Bull Scenario

Near-Term Plan 
maintains current rig 
count to achieve goal 

of self-funding for 
consecutive quarters 

while maintaining 
production momentum 

Base Scenario includes initiation of  
WildHorse program in 4Q16 and one  

WildHorse / one Monarch rig  

Plan to complete 3 
DUCs on acquired 

assets in 2Q/3Q16 (1) 

Bull Scenario includes addition of 3rd rig in 1H17 
with incremental WildHorse / Monarch focus 

Bear Scenario assumes maintaining an active 
program focused on the Monarch LS zone to 

maximize capital efficiency and deploying  
2nd rig as needed to fulfill drilling obligations  

on acquired leasehold 

1) DUCs include one WCA well in Howard County, a WCA well in Reagan County and an Upper WCB well in Reagan County. 
 



Appendix 
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2016 Guidance 

1) Based on the midpoint of guidance. 
2) Excludes certain non-recurring expenses and non-cash valuation adjustments related to incentive compensation plans. See Non-GAAP disclosures included in the Appendix. 
3) Excludes stock-based compensation and corporate depreciation and amortization. 
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Quarterly Guidance Annual Guidance 

FY16 Guidance 

14,000  - 15,000 

76% - 80% 

52% 

$50.44 

$6.75 - $7.25 

$2.00  - $2.50 

$3.30  - $3.80 

$2.90  - $3.40 

$95 - $105 

2Q16 Guidance 

Total Production (Boe/d) 13,500  - 14,500  

      % oil 76% - 78% 

      % oil hedged(a) 56% 

      Average swap/long-put price $49.97 

Expenses (per Boe) 

   LOE, including workovers $6.00 - $6.50 

   Production and ad valorem taxes $2.25 - $2.50 

   Adjusted G&A (2) $3.75 - $4.25 

       Recurring cash component (3) $3.00 - $3.50 

Operational Capital Expenditures 

   Accrual basis ($MM) $15 - $25  

>60% “Exit to Exit” Growth in ‘15 

+50% Y/Y 
in ’16E 

+70% Y/Y 
in ‘15 

(1) (1) 
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Deep High-Return Inventory 

1) Assumes NYMEX pricing as of June 17, 2016. NPV calculations assume a 10% discount rate. 
2) Spacing Assumptions are based on geological and petrophysical surveys of the respective areas and through analogy to comparable producing zones/acreage. 

 

Acquired Properties’ Returns Are Competitive with Top-Tier Legacy Portfolio 

Monarch WildHorse Ranger 

Lower Spraberry Lower Spraberry Wolfcamp A Wolfcamp B Lower Wolfcamp B 

Wellhead EUR 1,050 850  700  675  725  

     Oil Mix 83% 87% 88% 87% 76% 

D&C Cost ($M) $5,050 $5,050 $5,050 $5,050 $5,050 

Lateral Length (Ft) 7,500’ 7,500’ 7,500’ 7,500’ 7,500’ 

Single Well IRR (1) 110% 68% 54% 47% 52% 

ROI (1) 5.6x 4.8x 3.9x 3.8x 3.7x 

NPV ($MM) (1) $9.7 MM $7.2 MM $5.4 MM $4.9 MM $5.0 MM 

Gross  Locations 142 64 62 52 60 

Spacing Assumption (2) 11 wells / section 8 wells / section 7 wells / section 6 wells / section 7 wells / section 

Illustrative Type Curve EURs & Returns 
110% 

68% 

54% 
47% 

52% 



Non-GAAP Reconciliation (1) 
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1) See “Additional Disclosure” slides for disclosures related to Supplemental Non-GAAP Financial Measures. 

($ in thousands) 1Q-2015 2Q-2015 3Q-2015 4Q-2015 1Q-2016

Loss available to common stockholders (12,171)$      (6,940)$        (113,779)$   (115,144)$   (42,933)$      

Adjustments:

   Valuation allowance -                     -                     68,818         40,025         14,288         

   Net loss (gain) on derivatives, net of settlements 5,144            8,589            (8,771)          (635)              5,621            

   Write-down of oil  and natural gas properties -                     -                     56,746         78,737         22,604         

   Rig termination fee 2,367            -                     -                     (368)              -                     

   Change in the fair value of share-based awards 1,676            1,045            37                 1,197            461               

   Early retirement expenses 3,034            -                     -                     -                     -                     

   Withdrawn proxy contest expenses 72                 150               65                 -                     144               

Adjusted Income 122$             2,844$         3,116$         3,812$         185$             

Net loss (10,197)$      (4,967)$        (111,805)$   (113,170)$   (41,109)$      

Adjustments:

   Write-down of oil  and natural gas properties -                     -                     87,301         121,134       34,776         

   Net loss (gain) on derivatives, net of settlements 7,914            13,214         (13,494)        (977)              8,648            

   Change in the fair value of share-based awards 3,057            2,086            655               2,354            1,225            

   Early retirement expenses 4,668            -                     -                     -                     -                     

   Rig termination fee 3,641            -                     -                     (566)              -                     

   Withdrawn proxy contest expenses 111               230               100               -                     221               

   Acquisition expense 3                    -                     (3)                  27                 48                 

   Income tax benefit (5,077)          (2,116)          45,667         -                     -                     

   Interest expense 4,858            5,106            5,603            5,544            5,491            

   Depreciation, depletion and amortization 18,546         18,011         16,026         17,308         16,129         

   Accretion expense 209               134               142               175               180               

Adjusted EBITDA 27,733$       31,698$       30,192$       31,829$       25,609$       


